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ABSTRACT 
This study investigates an idea of chemical imbibition using surfactant formulations to 
improve oil recovery from Bakken shale. The ultimate objective of this research is to determine 
the potential for surfactant formulations to imbibe into and displace oil from shale and the 
mechanisms behind it.  
  Shale plays are considered as worldwide important unconventional resources of oil and 
gas. Most shale reservoirs have a low porosity and ultra-low permeability with natural fractures.  
The naturally fractured Bakken Formation is relatively thin and is found deep in the Williston 
Basin, which covers eastern Montana/western North Dakota in the United States and southern 
Saskatchewan/southwestern Manitoba in Canada. The Bakken Formation was deposited during a 
cycle of transgression and regression which began in latest Devonian-earliest Mississippian time, 
contains three members: Lower Shale Member, Middle Dolostone/Siltstone Member, and Upper 
Shale Member.  The Lower Member and Upper Member are rich in organic material with a total 
organic carbon (TOC) content of 11.5-12.1% and serve as the source rock of the hydrocarbons. 
The Middle Member is the principal oil reservoir, capable of producing oil at economic rates when 
completed by hydraulically fractured horizontal wells.  
According to the 2013 USGS estimate, the Bakken and Three Forks system of Williston 
Basin is the largest unconventional oil accumulation in the US and the technically recoverable oil 
in the Bakken formation is 3.65 billion barrels. However, due to the ultra-low permeability and 
oil-wet character, using existing techniques (hydraulic fracture and horizontal wells), the oil 
recovery factors from the Bakken shale is still a small portion of the original oil in place (OOIP). 
  
xiii 
The estimated original oil in place for Bakken shale ranges from 200 to 400 billion barrels of oil. 
Therefore, more and more attention has been paid to improve the oil recovery from the Bakken 
Formation. 
  In this study, experiments were conducted to determine the true wetting state of different 
parts of Bakken Formation using the Amott-Harvey method. Then four surfactant formulations 
(two anionic surfactants, one nonionic surfactant, and one amphoteric surfactant) investigated 
previously, have been introduced to identify if the surfactant can alter the wettability of cores from 
the Bakken Formation with the same method. Phase behavior between surfactants, synthetic 
Bakken Formation water and crude oil was investigated to achieve optimal salinity. Furthermore, 
interfacial tensions (IFT) between surfactant solution and crude oil were examined to verify the 
optimal salinity obtained by phase behavior study. IFT values were measured at temperature of 
30, 60, 90⁰C by means of a spinning drop tensiometer using six surfactant formulations both with 
and without alkali. Imbibition rate and oil recovery were experimentally investigated in Group 1 
with aqueous solutions including fresh water, brine (30% TDS), surfactant solutions, and Group 2 
with different type surfactant solutions at optimal salinities. 
  Bakken shale cores were generally oil-wet or intermediate-wet. Wettability of the cores 
can be altered toward water-wet by four surfactant formulations tested. Incremental oil recovery 
(EOR) was obtained from 6.80% to 25.40% OOIP over brine alone, indicating wettability 
alteration is one mechanism for oil recovery improvement using surfactant imbibition. In most 
cases, optimal salinity was obtained by phase behavior study and the IFT test. With the optimal 
salinity, the surfactants that we tested exhibited favorable imbibition rates and good oil recoveries 
at reservoir temperature, showing that IFT reduction can be taken as another mechanism for 
increasing oil recovery in the Bakken Formation.  
 1 
CHAPTER 1 
INTRODUCTION 
1.1 Background 
A general geological definition of shale is “fine-grained, laminated argillaceous rock” 
(Boggs, Sam 2011).  That is, shale rocks are made up of more than 50% of silt-size (1/16-1/256 
mm) and clay-size (<1/256 mm) particles. Shale is the most abundant sedimentary rock and is in 
sedimentary basins worldwide. Approximately half of all sedimentary rocks are classified as shale.  
Organic-rich shales (black shales) are source rocks for many of the world’s most important 
oil and gas accumulations. The oil and gas migrated out of shale and often trapped within pore 
spaces of rock unit such as sandstone, which has relatively large porosity and permeability. These 
types of oil and gas accumulations are known as “conventional reservoir” because the fluids can 
easily flow through the pores of the rock and into the extraction well. However, a large amount of 
oil and gas still remain in the shale or adjacent rock unit with minimal migration. Due to the low 
permeability and porosity of shale or the adjacent tight rock, this oil and gas are very difficult to 
extract compared with conventional resource. We call these types of oil and gas accumulations as 
“unconventional reservoir”. 
Although shale plays are considered as worldwide important unconventional resources of 
oil and gas (Fig. 1), Energy Information Administration (EIA) assessed that the world technically
 2 
 
Figure 1. Map of Basins with Assessed Shale Oil and Gas Formation (EIA, 2013) 
recoverable shale oil accounts for 10% of the total world oil resource, and this number is up to 
26% in the United States (Table 1). For a long time, organically rich shale oil and gas reservoir 
were ignored by operators who seeking easier plays and faster return on investments. This has 
changed in late 1990s by using a stimulation process is known as “hydraulic fracturing” or 
“fracking” and a new drilling method is known as “horizontal drilling”. The shale oil can be 
produced at economic rate when these drilling technologies are utilized on a large scale in the shale 
formation. Recently, the increasing production from unconventional shale oil reversed the 
declining trend of US production, and attracted increasing attention of shale oil as potential sources 
of significant reserves. Development of shale resource plays in the United States led to pursuit of 
these resources on a global scale (Jarvie, 2010).  
1.2 General Statement of Problems 
Unconventional shale oil constitutes a significant portion of oil resource and production 
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Table 1. Technically Recoverable Shale Oil Resource in the Context of Total World 
Resources (EIA, 2013)  
 
in the United States since the new drilling techniques have been applied in shale formation. The 
US Geological Survey (USGS) recently re-assessed the potential for undiscovered, technically 
recoverable oil resources in both unconventional (continuous) and conventional accumulations of 
the onshore United States. The mean total of unconventional US oil 2013 USGS assessment is 13 
billion bbl of oil, which accounts for 32.5% of the total undiscovered mean oil resources (Fig. 2). 
The combined mean total oil resource Bakken and Three Forks formations of Williston basin 
assessment is 7.38 billion barrels of oil, with 3.65 billion barrels of oil attributed to the Bakken 
formation and 3.73 billion barrels of oil attributed to the Three Forks formation. This assessment 
makes the Bakken and Three Forks system of Williston Basin the largest unconventional oil 
accumulation in the US, and it accounts for more than a half of all domestic-assessed 
unconventional oil resources (Gaswirth et al., 2014).  
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Figure 2. Mean Continuous Oil Resource (USGS, 2013) 
However, most unconventional reservoirs or shale reservoirs have a low porosity and ultra-
low permeability with natural fractures. The oil recovery factors have only been a few percent of 
original oil in place (OOIP) with current technology. For example, the Bakken formation has long 
been considered both an excellent source rock and fractured-type reservoir for the oil consists of 
thin shale and silty carbonate sequence. The estimate of original oil in place (OOIP) for Bakken 
shale ranges from 200 to 400 billion barrels of oil (Pitman, Price and LeFever, 2001). 2008 USGS’s 
estimate is 300-500 billion barrels of OOIP. Regardless of the OOIP the USGS’s estimate for 
technically recoverable oil is around 3.65 billion barrels. The recoverable oil from Bakken is not 
more than 2% of the original oil in place. There is big potential. An increase of 1% in recovery of 
the Bakken formation could lead to an increase of 2-4 billion barrels or more domestic oil 
production.  Therefore, more and more attention is being paid to improve the oil recovery from the 
shale reservoir for increased profits. 
Production from the Bakken was reported as early as the 1950’s. Since the discovery, this 
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play has experienced four development periods (Tabatabaei, 2009; LeFever, 2000):  
- Conventional vertical drilling (1953-1987), 
- Horizontal drilling in the upper Bakken Shale (1987-2000) 
- Horizontal drilling in the middle member, with some hydraulic fracturing (2000-2005) 
- Horizontal drilling with routine hydraulic fracturing (2005-present) 
There are various problems occurred in above stages: 
- Natural fractures had poor flow connections with the vertical wells, so that although 
production was initially high, it rapidly dropped to low values. A number of vertical 
Bakken wells had decline rates between 15-17%, with a range of 10-20% (Reisz, 1992). 
- Borehole instability problems often arise when drilling weak, fissile shales (McLellan, 
1996). 
- Wells completed in unconventional plays typically exhibited limited drainage areas and 
yielded a low oil recovery even though some of them were completed using horizontal 
wells and hydraulic fractures (Stuart et al., 2008). 
In addition, due to the low permeability and oil-wet character, traditional methods of 
improving oil recovery, such as thermal methods, polymer flooding, alkaline flooding, miscible 
displacement, and carbon dioxide injection etc., could not be effective. Additionally, public 
concern with conservation, extension of the lifespan of the resource and environment protection 
plays a part when a new technique will be applied.  
This study investigates a new idea for chemical imbibition using surfactant formulations 
to stimulate oil recovery from Bakken shale, without causing formation damage.  It has been 
observed that the dilute surfactant solution can recover the oil from the Bakken Formation at a 
different rate, depending on reservoir character and condition. It has also been believed that the 
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type of surfactant, salinity, PH value, composition of salt, surfactant concentration, and 
temperature have significant effect on the recovery. Although various suggestions of mechanisms 
using surfactant solution to recover oil for conventional resources have been proposed based on 
laboratory experimental results, the exact recovery mechanisms have not been fully investigated 
and the mechanisms are still uncertain for shale.  In addition, the condition of  Bakken formation 
is complex due to the high temperature (up to 120°C) and high salinity ( up to 30%TDS). So far, 
there is not much relevant literature that has been reported about mechanism investigation for 
surfactant imbibition into the Bakken shale.  
 The aim of this work is to study the effect of surfactant type, salinity, surfactant 
concentration, alkalinity, and temperature on the improvement of oil recovery using surfactant 
imbibition, and identify the mechanisms. The measurements of phase behavior and interfacial 
tension (IFT) were conducted with Bakken oil and various surfactant solutions at temperatures up 
to 120°C. Surfactant imbibition can change the wettability of Bakken cores from oil-wet or 
intermediate –wet toward water –wet and improve the oil recovery.  Phase behavior of the 
surfactant system strongly affects oil recovery if the microemulsion phase is present in the 
surfactant-brine-oil system at optimal salinity. Optimal salinities can be obtained by interfacial 
tension (IFT) study. Where optimal salinity behavior was obtained, the IFT between surfactant 
water and crude oil were reduced by one to two orders of magnitude with surfactant formulations. 
Under the same conditions, the inverse Bond number NB
-1
 which describes the forces that dominate 
the displacement mechanism, could be decreased below a value of 1 in cores from the Middle 
member of the Bakken.  This study fully investigated the phase behavior and interfacial tension 
associated with imbibition process, and will provide a better understanding of mechanisms of oil 
recovery involving surfactant imbibition. 
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1.3 Objectives 
● Determine the true wetting state of cores from different portions of the Bakken formation by 
modified Amott-Harvey tests.  
● Investigate the ability of certain surfactant solutions to alter wettability of the Bakken shale. 
Such alteration seeks to promote imbibition of dilute aqueous surfactant solutions and increase oil 
displacement from the shale.  
● Performance phase behavior by measuring the volume of microemulsion in surfactant-brine-oil 
system and to determine the optimal salinity and surfactant concentration for imbibition process. 
● Measure the interfacial tensions (IFT) between surfactant water and crude oil at reservoir 
condition to test the influence of salinity and surfactant formulation on IFT. 
● Develop the Bond Number to interpret the IFT reduction between surfactant water and crude oil. 
 ● Conduct imbibition experiments to examine the effect of surfactant on wettability, phase 
behavior and IFT and the improvement of oil recovery. 
● Suggest the mechanisms for improve oil recovery using surfactant imbibition for target 
formation. 
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CHAPTER 2 
LITERATURE REVIEW 
2.1 Geological Background Setting  
A good understanding of the geology and the reservoir characteristics of the target 
formation is important to exploration, development and utilization of the resource.  
The Bakken formation was initially defined by geologist J.W.Nordquist in 1953 and named 
for Henry Bakken, a farmer in Tioga, North Dakota who owed the land where the formation was 
first discovered. The formation is restricted to the subsurface of the Williston basin in eastern 
Montana/western North Dakota in the United States and southern Saskatchewan/southwestern 
Manitoba in Canada (Fig. 3).  
2.1.1 Depositional Environment 
The Bakken formation is relatively thin and is found deep in the Williston Basin. The 
total formation ranges in thickness from a maximum of 140 ft. near the center of the basin to 
subsurface “0” on the eastern, southern and southwestern flanks (Meissner, 1978). The Bakken 
Formation deposited during a cycle of transgression and regression which began in latest 
Devonian-earliest Mississippian time (Meissner, 1978; Gerhard et al., 1982; Pitman et al., 2001) 
and contains three members: an Upper Shale Member, a Middle Siltstone and Sandstone 
Member, and a Lower Shale Member. The lower and upper members of the Bakken Formation 
were deposited in an offshore, deep water marine environment below wave base during periods
 9 
 
Figure 3. Extent Map of the Bakken Formation and Williston Basin 
(Source:http://www.undeerc.org/bakken/bakkenformation.aspx) 
 
of sea-level rise (Webster 1984; Hayes, 1984; LeFever et al., 1991; Smith, 1996), and the middle 
member was deposited in a shallow offshore marine environment  following a rapid sea-level drop 
and deposition of the lower shale (Smith and Bustin, 1995). Deposition of the three distinctive 
Bakken members reflects significant changes in water depth within the Williston Basin as a result 
of the fluctuation of sea level.  
2.1.2 Lithostratigraphy and Geochemical Properties 
 The Bakken Formation unconformably overlies the Upper Devonian Three Forks 
Formation and underlies the Lower Mississippian Lodgepole Formation (Fig. 4). It has been 
informally divided into lower, middle and upper members. The lower shale member and the upper 
shale members have apparently identical lithologies result from similar deposition in a deep marine 
setting.  
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Figure 4. Stratigraphic Section of Devonian-Mississippian Rocks (NDGS, 2009) 
 The shale consists predominantly of quarts, feldspar, clay and organic matter. Significant 
variations occur in the percentages of quartz, clay, and organic matter. The lower member consists 
of dark-gray to brown-black to black, fissile, calcareous, organic- rich shale (Meissner, 1978; 
Pitman et al., 2001), has an average thickness  of 3m with a maximum thickness of 20m (smith 
and Bustin, 1996).  Schmoker and Hester (1983) calculated 11.5% as the total organic carbon 
(TOC) content for the lower member. Smith and Bustin (1996) estimate the lower Bakken member 
contains an average TOC of 8%.    
 The lithology of the middle member of the Bakken Formation varies from a light-to 
medium-gray, interbedded sequence of siltstones and sandstones with lesser amount of shale to 
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dolomitic fine-grained siltstone and sandstone to silty dolomite (Meissner, 1978; Pitman et al., 
2001). The middle Bakken member has an average thickness of 13 m and a maximum of 30 m. 
The TOC average content in middle Bakken member is less than 0.1% (Smith and Bustin, 1996). 
 The upper member of the Bakken Formation is lithologically similar to the lower member 
and consists of dark-gray to brown-black to black, fissile, calcareous, organic- rich shale 
(Webster, 1982; Hayes, 1984). It has an average thickness of 2 m with a maximum of 7 m (Smith 
and Bustin, 1996).  The upper member differs from the lower member in that it lacks crystallized 
limestones and greenish-gray shale beds (Pitman et al., 2001), and has a higher TOC content of 
12.1% (Schmoker and Hester, 1983). 
2.2 Reservoir Properties 
 Despite the thin thickness (0-46 m) and insignificant volume compared to the total 
sedimentary basin, the Bakken Formation is both the richest hydrocarbon source rock in the world 
and a fractured-type reservoir. This makes the Bakken shale of considerable economic importance. 
Schmoker and Hester (1983) showed that the average organic-carbon content of the lower and 
upper members of the Bakken formation  is near 12% or 13%, and 132 billion bbl of 43⁰ (API 
gravity) oil have been expelled from the mature region of the Bakken shale in the United States 
portion.  
2.2.1 Natural Fractures 
Some previous studies indicate the Bakken formation is an overpressured fractured-type 
reservoir (Murray, 1968; Meissner, 1978; Burrus et al., 1996; Pitman et al., 2001). Fractures occur 
on a macroscopic and microscopic scale and are especially abundant in the lower and middle 
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members (Pitman, 2001). Carlisle (et al., 1992) showed the fracture types are lithology dependent 
and there are three dominant fracture types of the Bakken Formation:  regional, tectonic and 
expulsion. The regional and tectonic fractures usually are present only in silty unit when they occur 
in the shale. Widths of these fractures usually exceed 30 μm with a horizontal direction. Expulsion 
fractures are common in the shale units with higher organic content suggesting the fractures were 
caused by oil generation when pressure released. The widths of these fractures average 10 to 20 
μm (Carlisle et al., 1992). Therefore, the permeability of fractures is much higher than that of 
matrix. Oil production occurs through the extensive fracture system. 
2.2.2 Porosity and Permeability 
Porosity is the ratio of pore space to total volume of the reservoir rocks. Permeability is the 
ability with which the fluid can pass through rock. Meissner (1978) indicated the porosity and 
permeability of the Bakken formation are very low to nonexistent. Only the middle Bakken 
siltstone and sandstone have measurable reservoir properties. Murray (1968) measured the core 
material from the middle Bakken with porosities averaging 5.5% and permeabilities ranging from 
0.1 to 57 millidarcies. In study of Pitman, et al., 2001, the measured core porosities in the middle 
member range from 1 to16 percent but in general are low, averaging about 5%, and the measured 
permeability ranges from 0 to 20 millidarcies, averaging 0.04 millidarcies. It’s believed that the 
reservoir rocks with lower permeability (0-0.01 millidarcies) are associated with the matrix 
permeability, while reservoir rocks with higher permeability (>0.01 millidarcies) commonly 
contain open, hydrocarbon-generated fractures. Core study in the Pitman, et al. (2001) report also 
shows the highest permeabilities in the middle member correspond to sandstones and siltstones 
with high residual oil concentrations and well-developed open fractures. At depths greater than 
2,500 to 3,000 m, permeable fractures focus hydrocarbon fluids and locally serve as oil reservoirs. 
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2.3 Formation Water and Temperature 
 Iampen and Rostron (2000) experimentally investigated the hydrogeochemistry of pre-
Mississipian brine, Williston Basin (in which, the Bakken is the top formation). In their study, 200 
formation water samples have been collected from producing wells in the Williston basin. 
Chemical analysis reveals the brine concentration varies spatially ranging from 100,000 to 380,000 
mg/L with an average 300,000 mg/L. Wang, et al. (2011 b.) analyzed the water sample from the 
middle member of the Bakken formation, well H. Davidson 2-11H (#16083) at a depth 10613-
10649 ft. (3234.8- 3245.8 m), indicated an average salinity of approximately 300,000 mg/L and a 
Na-Ca- Cl type water.  
 For the reservoir temperature, Gosnold (1990) constructed a temperature gradient contour 
for most of the Williston Basin—the paleogeothermal gradient used in the model was about 
40˚C/Km. Pitman et al. (2001) concluded that the temperature of the middle member ranged from 
80 to 120˚C, based on organic acid experimental studies and a burial model. 
2.4 Chemical Imbibition and Mechanism 
Imbibition or spontaneous imbibition is defined as the displacement of one non-wetting 
fluid by another immiscible wetting fluid as a result of capillary force alone created by the 
interaction between fluid and solid. The efficiency of imbibition is greatly impacted by the 
capillary force (Fig. 5), as it holds the oil in the reservoir matrix when the rock is oil-wet. In order 
to decrease this action, many enhanced oil recovery (EOR) methods, e.g., alkaline flooding, 
miscible displacement, and carbon dioxide injection are used, but all the methods have limited 
application and are not efficient in shale due to the low permeability and oil-wet character. 
A new method is currently being studied using chemical (surfactant) imbibition to 
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stimulate oil recovery from shale. The basic idea of this technique is to use surfactant imbibe from 
the fractures into the rock matrix and displace the oil out of the matrix and through the fractures 
to the production wells by mechanisms involving imbibition (Fig. 6). 
 
                     A: water as wetting phase   B: mercury as non-wetting phase 
Figure 5. Capillarity in Wetting Phased A and Non-wetting phase B (Woland, GFDL) 
A number of studies investigated using surfactant imbibition to improve the oil recovery 
from mixed/oil-wet fractured carbonated formation. Depending on rock and oil type, the addition 
of surfactant to brine can lower the interfacial tension (IFT) and contribute to the imbibition 
recovery with the support of gravity drainage in naturally fractured reservoirs. Babadagi (2003) 
conducted experiment on oil recovery by spontaneous imbibition of surfactant solution with 
different types of rock, oil, and surfactants (solution). He found that the addition of surfactants to 
brine can affect the recovery rate and ultimate recoveries. Capillary force is not the only factor  
 
 
 
Vertical Fractures 
Surfactant imbibe 
into matrix 
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                Figure 6. Surfactant Imbibition Process 
that dominates the recovery, gravity also plays an important role in the process, as does wettability. 
He also indicates, the Inverse Bond Number has a correlation with the ultimate recovery. As the 
Inverse Bond Number increases, the ultimate recovery decreases.   
Adibhatla and Mohaanty (2008) investigated the effect of dilute anionic surfactant on the 
oil recovery from oil-wet, fractured carbonates. From their studies, surfactant diffuses into the 
matrix in process of chemical treatment, lowering the interfacial tension and contact angle, which 
decrease the capillary pressure and increases oil relative permeability, enabling gravity to drain 
out the oil. Anionic surfactant can lower the IFT to 10-2 dynes/cm range and alter wettability to 
intermediate/water-wet regime at very low concentration (approximately 0.05 wt. %). Laboratory-
scale surfactant brine imbibition experiments give high oil recovery (20 to 42% of OOIP in 50 
days, up to 60% in 200 days) for initially oil-wet cores through wettability alteration and IFT 
reduction.  
Zhang et al., (2009) conducted spontaneous imbibition with thin porous plates (Texas 
Cream limestone) using computed tomography X-ray scanning to quantitatively evaluate the 
dominance of capillary and emulsification driven spontaneous imbibition mechanisms. The results 
showed that surfactant can enhance spontaneous imbibition mainly by emulsification and 
Oil expulsion       
into fractures 
Horizontal Well 
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solubilization, and alkalis can enhance spontaneous imbibition primarily by the mechanism of 
wettability alteration.  
Wang et al. (2011 a) studied flow behavior and imbibition using brine in shale rock. They 
indicated that aqueous imbibition could increase oil recovery from shale. Shuler et al., (2011) used 
specialized surfactant formulation to recover oil from the mixed- to oil-wet low permeability 
Middle Bakken Member cores by spontaneous imbibition. Two light oils (with API gravities of 
42.8 and 41.5, respectively) from the Bakken area, over 15 different chemical formulations consist 
of predominantly different combinations of non-ionic and /or anionic surfactants in 2 wt. % KCl, 
outcrop samples of limestone from Texas Cream, and two small samples from the middle member 
of the Bakken shale reservoir are conducted to test the oil recovery under 185F which is less than 
the reservoir temperature. The results show the oil recovery in Bakken core samples are 
approximately 40%. This investigation also indicates that a customized surfactant formulation with 
the common fracture fluids can stimulate spontaneous imbibition and oil expulsion to improve the 
oil recovery.  Best Surfactant formulations found in this laboratory study are compatible with the 
common fracture fluid system, and do not exhibit significant emulsion tendency when mixed with 
Bakken oil.  
The surfactant imbibition is a not a single action process. The efficiency of spontaneous 
imbibition is determined by the combination of capillary, gravity, diffusive, and viscous force. The 
addition of surfactant may result in wettability alteration and IFT reduction, makes it more 
complicated. However, this research investigates whether the new surfactant imbibition concept 
can significantly improve oil recovery from Bakken shale. The concept involves formulating 
special surfactant solutions that will alter the wettability and lower the IFT. This alteration and 
reduction should promote imbibition of a dilute aqueous surfactant solution and increase oil 
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displacement from the shale. The concept also relies on the phase behavior within surfactant, 
Bakken formation water salinity, and Bakken oil. 
2.5 Surfactant 
The term of surfactant is an abbreviation of “surface active agent”. The surface can be 
between two immiscible liquids or between a liquid and a solid. Surfactants are usually organic 
compounds in which molecule structures contain both hydrophobic groups (oil-soluble tails) and 
hydrophilic groups (water-soluble heads) (Fig. 7). The “tails” of most surfactants are similar, 
consisting of hydrocarbon chain, which can be linear, branch or aromatic. Surfactants are generally 
classified into four categories according to the polar head group: non-ionic surfactant with a head 
has no charge, Anionic surfactant with a head has negative charge, cationic surfactant with a head 
has positive charge, and amphoteric surfactant with a head has two oppositely charged groups (Fig. 
8).   
The two groups of surfactants molecule structure result in the adsorption of a surfactant at 
a surface or interface. This adsorption leads to reduction of surface / interfacial tension and/or 
wettability alteration. Hence, surfactants have been considered for application in the EOR process 
in the petroleum industry.  
A number of studies investigated using surfactant imbibition to improve the oil recovery 
from sandstone, carbonate, and chalk reservoirs, with rock permeability ranging from 1to 5 md 
and porosity up to 29.1%.   
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Figure 7. Schematic Diagram of Surfactant Molecule Structure (Source: 
wikipedia.org/wiki/Surfactant) 
 
 
 
Figure 8. Surfactant Classification: nonionic, anionic, cationic, amphoteric 
Mungan (1966) investigated the effect of interfacial tension on the displacement of a non-
wetting by a wetting liquid without changing wettability and found that decreasing IFT from 40 to 
0.5 dyne/cm resulted in 8.1% additional recovery after breakthrough. Hence, significant 
improvements in oil recovery can be obtained by surfactant-process based on achieving ultralow 
oil-water interfacial tension (e.g., <10-2 mN/m) when ignoring surfactant aided wettability 
alteration (Hirasaki, et al., 2008). 
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Hirasaki and Zhang (2004) conducted spontaneous imbibition to evaluate sodium 
carbonate and anionic surfactant solutions for enhancing oil recovery in fractured oil-wet 
carbonate formation. They reported that the wettability of the calcite plate was altered to 
intermediate-wet or water-wet induced by alkaline anionic surfactant solution and thus oil recovery 
of spontaneous imbibition was increased.   
Høgnsen et al. (2005) conducted oil recovery experiments using sulfate surfactant as the 
wettability modifier on chalk samples at temperature from 70°C to 130°C. From their study, oil 
recovery increased at completely water-wet conditions when the concentration of sulfate was 
increased three times relative to seawater (highest TDS was179.87 g/L) at 130°C. One research 
group performed a series of studies using anionic and nonionic surfactant to change the oil-wet 
carbonate wettability (Adibhatla, Sun and Mohanty, 2005; Adibhatla and Mohanty, 2008; Gupta 
and Mohanty, 2007; Gupta and Mohanty, 2008). Their researches involved coupling imbibition of 
aqueous surfactant solutions with gravity drainage. Both anionic and nonionic surfactants showed 
good potential for increasing oil recovery in a fractured limestone carbonate reservoir at 90°C 
(Gupta and Mohanty, 2010). Subsequently, Gupta, Mohan and Mohanty (2009) screened 
surfactant for wettability alteration in an oil-wet fractured carbonate reservoir. In their study, 
anionic and nonionic surfactants were screened for high temperature (～90°C) and high salinity (
～8 wt. %) systems containing significant concentrations of magnesium and calcium ions. Alkali 
was added to keep the brine pH above neutral and reduce adsorption on carbonate surfaces. The 
optimal salinity was tuned by either changing surfactant concentration or using a mixture of 
surfactants.  
 Shuler et al.  (2010) suggested that specialized surfactant formulations may recover oil 
from Bakken shale. Wang et al. (2011b) experimentally investigated the surfactant formulations 
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for Bakken shale imbibition. In their study, 17 surfactants were examined for solubility to brine, 
temperature (105-120⁰C) stability at high salinity (15 wt. % - 30 wt. %). Spontaneous imbibition 
was conducted with Bakken middle member core samples, Bakken oil, three selected surfactants 
(solution), and brine at 60⁰C to 110⁰C. They found an ethoxylate nonionic surfactant (58N), an 
internal olefin sulfonate anionic surfactant (S2), and an amine oxide cationic surfactant (17A) were 
more stable at high temperature and tolerant of high salinity than other surfactants and displayed 
higher oil recoveries. For Bakken cores, surfactants did not imbibe effectively using distilled or 
low salinity water. For a given surfactant, oil recovery can be maximized by identifying an optimal 
surfactant concentration, brine salinity, sodium metaborate concentration, and divalent cation 
content. Apparently no other literature has described utilizing surfactant imbibition to enhance oil 
recovery in shale reservoirs.  
2.6 Wettability 
Generally, Wettability is the preference of a solid to be in contact with one fluid rather 
than another. Figure 9 shows wetting status of different fluids on solid surface. With the decrease 
of the contact angle, the wettability will increase.  
 
 
A: small wetting and large contact angle    B: medium wetting and contact angle    C: more wetting and small contact angle 
Figure 9. Wetting of Different Fluids on Solid Surface 
 
In an oil/water/rock system (Fig. 10), if the rock is water-wet, the water spreads on the rock 
surface and the oil remains in the center of the pores. This is favorable for expelling oil out. On 
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the contrary, if the rock is oil-wet, the oil is spread on the rock surface and is held in the pore, and 
the water stays in the center of the pores. This is unfavorable for expelling the oil when using the 
EOR techniques such as waterflooding. Unfortunately, many shale reservoirs are oil-wet and or 
mixed-wet with low matrix rock permeability, so the driving force is weak or non-existent and the 
oil recovery is very low.  
Therefore, many previous studies focused on altering wettability using surfactant 
imbibition in carbonate and chalk reservoirs. Acting as a wettability modifier for waterflooding, 
Zhang and Austat (2005) thought that sulfate in the imbibition fluid modified wettability, 
especially at low water-wet conditions. Also, using cationic surfactants of the type [R-N(CH3)3]
+ 
improved oil recovery from chalk significantly, especially when the rock wettability was close to 
a neutral wetting condition. Their spontaneous imbibition tests were conducted at 70°C. Høgnsen 
et al. (2005) used sulfate surfactant as the wettability modifier on chalk samples at temperatures 
from 70°C to 130°C. Their research results indicated that oil recovery increased at strongly water-
wet conditions when the concentration of sulfate was three times higher than seawater 
(i.e., the highest TDS was 179.87 g/L) at 130°C. One research group (Adibhatla, Sun and  
 
Figure 10. Three Conditions of Wetting in Pores of an Oil/Water/Rock System    
(Schlumberger, 2007) 
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Mohanty, 2005; Adibhatla and Mohanty, 2006; Gupta and Mohanty, 2010; Gupta and Mohanty, 
2008) conducted a series of studies using anionic and nonionic surfactants to change the oil-wet 
wettability of carbonates. Their research involved coupling imbibition of aqueous surfactant 
solutions with gravity drainage. Both anionic and nonionic surfactants showed good potential for 
increasing oil recovery in a fractured limestone carbonate reservoir at 90°C. Na2CO3 was added to 
reduce surfactant adsorption. Subsequently, Gupta and Mohanty (2009) screened surfactants for 
altering the wettability of oil-wet fractured carbonate reservoir to water-wet conditions. In that 
study, anionic and nonionic surfactants were screened for high temperature (～90°C) and high 
salinity (～8 wt. %) systems containing significant concentrations of magnesium and calcium ions. 
Alkali was added to keep the brine pH above neutral and reduce adsorption on carbonate surfaces. 
In their study, the optimal salinity was tuned by either changing surfactant concentration or using 
a mixture of surfactants. 
Sharma and Mohanty (2011) found that surfactant can change the wettability of a carbonate 
rock from mixed-wet towards water-wet at high temperature (～100°C) and high salinity (20 
wt.%) brine. Core flood shows that waterflooding with a dilute wettability altering surfactant can 
improve the oil recovery from 29% OOIP to 40% OOIP in the lab-scale. Wang et al. (2011 b), 
along with that of Shuler et al. (2011) found surfactant compositions that can imbibe into shale 
under various conditions. However, there is a need to study whether surfactant imbibition changes 
wettability in shale reservoirs.  
Research has demonstrated that wettability for a given rock/brine/oil system is affected by 
contact angle and capillary changes between the wetting and non-wetting phases (Hirasaki, 1991; 
Sharma, 2011). Wettability can be affected by rock boundary condition (Xie and Morrow, 2001), 
component and solvent quality of the crude oil (Buckley, 1998), as well as brine ionic composition 
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(Sharma, 2011).   
2.7 Interfacial Tension (IFT) and the Inverse Bond Number (NB-1) 
It’s known that capillarity occurs when adhesive force between liquid and solid surface is 
stronger than the cohesive force between the liquid molecules. In an oil-wet reservoir, the oil is 
hold in the matrix pores by capillary force (Fig. 11), which is the function of the pore radius, 
IFT, and contact angle (Eq.1).   The reduction of IFT will result in the decrease of capillary 
force. Therefore, oil can be displaced from the matrix pores with the gravity drainage if the IFT 
is lower enough.  
                        
r
Pc  cos2  ………….……………………………… (1)                             
Here, Pc is capillary force in Pa, σ is the interfacial tension of water/oil in mN/m, θ is contact angle, 
and r is pore radius in mm. 
Surfactant treatment of a fractured reservoir is very different from traditional surfactant–alkaline 
or surfactant-alkaline-polymer (ASP) floods that need ultra-low IFT (10-2～10-3). For a surfactant-
aided gravity drainage process in fractured reservoirs, the target oil recovery will be driven toward 
a residual saturation value. Even though the IFT values between surfactants and oil in this research 
is not expected in the ultra-low range (10-2～10-3), the reduction should still be low enough 
compared to IFT between brine water and oil for sufficiently rapid oil drainage into the fracture 
system under gravity. The efficiency of this process is determined by a combination of capillary, 
gravity, and viscous forces.  
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Figure 11. The Height of the Retained Oil in Oil-wet Matrix Pores is a Function of the 
matrix Radius, IFT, and Contact Angle (Hirasaki and Zhang, 2004). 
 
The inverse Bond number is defined as the ratio of capillary force to gravity force. In this 
study, inverse Bond number was used to quantitatively explain the surfactant imbibe into and 
displace oil out from the matrix by the mechanism of IFT reduction. Based on the research of 
Adibhatla and Mohanty (2008), when the oil-wet cores with a negative capillary pressure are 
immersed in a surfactant solution, oil displacement will be determined by the inverse Bond number 
(Eq. 2). For water alone, the macroscopic inverse Bond number, NB
-1, may be greater than 1. 
However, if IFT is lowered, NB
-1 may become less than 1, and the surfactant solution will diffuse 
into the core and change IFT and wettability. This aqueous invasion into the core drives the oil 
out. As wettability is altered, the capillary pressure changes from negative to positive, and counter-
current imbibition mobilizes more oil. Furthermore, oil relative permeability and residual 
saturation will be changed to provide a higher oil recovery from the core. 
gL
k
BN





1
…………….………………………………………………… (2) 
Here,  is the rock porosity, k is rock permeability in md,  is interfacial tension in mN/m 
between oil and water,   is the density difference in g/cm3, g is the gravitational constant in 
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cm/S2, and L is length of the core in mm. The numerator of Eq.2 is capillary pressure. The 
denominator of Eq.2 is gravity force. 
2.8 Phase behavior   
In a surfactant/oil/water or brine system, distinctive phase behaviors are observed when 
they form an equilibrium microemulsion. Winsor classified these phase behaviors (Fig. 12). In a 
Winsor Type II- (lower phase), the surfactant forms an oil-in-water microemulsion in the aqueous 
phase. This behavior is not favorable to achieve ultralow interfacial tension with surfactants. In a 
Winsor Type II+ (upper phase), the surfactant forms a water-in-oil emulsion in the oil phase. This 
behavior leads to surfactant retention in the oil phase and is unfavorable for an enhanced oil 
recovery (EOR) process. In a Winsor Type III (middle phase), the surfactant forms a 
microemulsion in a separate phase between the oil and aqueous phases. This phase is a continuous 
layer containing surfactant, water and oil. This situation is ideal to achieve ultralow interfacial 
tension (IFT) values and is favorable for EOR.     
Generally, phase behavior and IFT of the surfactant system strongly affects oil recovery if 
the microemulsion phase is present in the surfactant-brine-oil system. A number of previous papers 
have characterized this work very well (including: Wade, et al, 1978; Barnes, et al, 2008; Solairaj, 
et al, 2012, etc). New research on phase behavior and IFT at high temperature (~120°C) 
and high salinity (～ 20 % TDS) show that: with NaCl and n-octane oil mixed with   
alkoxyglycidylether (AGES) sulfonate anionic surfactant (free of alcohol and other co-solvents), 
classical Winsor phase behavior and optimal salinity were observed, providing ultra-low IFTs 
(Puerto, et al, 2011). Similar to the Bakken oil condition of light oil viscosity and oil-wet features, 
Gupta and Mohanty proved that at high temperature of 90°C, high oil recovery up to  
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Figure 12. Winsor Type Phase Behaviors 
60% of OOIP was obtained from tight carbonate cores with diluted surfactant concentration 
(0.3wt%) system ( Gupta and Mohanty, 2010). In their study, Na2CO3 and NaCl were used to 
change salinity. Also, Winsor type phase behavior was observed at optimal salinity and ultra-low 
IFT of 10-3 mN/m obtained at the best optimal salinity when using surfactants Alf-38 and S70. For 
carbonate reservoirs at high temperature (> 90°C) and high salinity (> 8 % TDS), using cationic 
and anionic surfactants blended with sequestration agents, IFT at optimal salinity did not always 
alter wettability (Chen and Mohanty, 2013). 
In this study, phase behavior was used to determine the optimal salinity for ultra-lower 
IFT with certain surfactant concentration.
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CHAPTER 3 
EXPERIMENT AND PROCEDURE 
3.1 Wettability Test 
25 core samples from three wells from different portions of the Bakken formation in North 
Dakota were tested for the true wetting status and the capability of certain surfactant formulations 
altering wettability of shale rocks using a modified Amott-Harvey method.  
3.1.1 Materials  
Porous medium: The tested rock plugs used for the experiment in this work came from three wells 
in different potions of Bakken formation (Fig. 13): Middle Member of Bakken Formation in Well 
Lars Rothie 32-29 H (#16433) in eastern McKenzie County, Upper Shale and Middle Member of 
Bakken Formation in well 163-94-0607 H-1 (#17450) in northwest Burke County, Upper Shale 
and Middle Member of Bakken Formation in well EN Ruland 3328-H (#16771) in western 
Mountrail County. For the Middle Member, permeability to Bakken oil for our core samples was 
typically around 7 microdarcys, while porosity averaged 4.4%. Permeability for the Upper shale 
was considerably less (by 2-3 orders of magnitude) than for the Middle Member, although our 
porosity values were comparable. The dimensions and porosities of the core samples are listed in 
Table 2, Table 3, and Table 4. The rock porosity was obtained experimentally by Wang et al. (2011 
a). 
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Figure 13. Map of Well Locations 
 Most core samples tested from well #16433 were gritty and limey shale from depth of 
10613 to 10649 ft.  
Table 2. Dimensions and Porosities of Cores from Well #16433 (Wang, 2012) 
Core Location Length, mm Diameter, mm Porosity % 
13C 
Middle Member 1.80 24.79 9.4 
15B 
Middle Member 4.61 24.92 4.5 
 
 
Figure 14. Core Samples Location and Well Log Curves for Well #16433 (Wang, 2012) 
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Core samples from Well #16771 in western Mountrail County included black shale, dark 
grey, and trace limestone in the Upper shale at depths of 10274 to 10310 ft., and shaly siltstone in 
the Middle Member at depths of 10311 to 10340 ft. 
Table 3. Dimensions and Porosities of Cores from Well #16771 (Wang, 2012) 
Core Location 
Length 
 mm 
Diameter 
 mm 
Porosity 
% 
1-10-1 Upper shale 12.36 38.14 3.4 
1-10-2 Upper shale 13.13 38.64 3.4 
1-32-2 Middle Member 13.90 38.08 6.6 
1-32-3 Middle Member 13.71 38.12 6.4 
1-36-1 Middle Member 14.08 38.09 6.6 
1-36-3 Middle Member 13.71 30.48 7.5 
1-46-2 Middle Member 13.87 38.05 7.3 
1-46-3 Middle Member 13.76 38.08 6.9 
1-50-2 Middle Member 13.87 38.05 6.9 
1-50-3 Middle Member 13.76 38.08 6.9 
 
 
Figure 15. Core Sample Location and Well Log Curves for Well #16771 (Wang, 2012) 
Core samples from Well #17450 in northwest Burke County were selected from the Upper 
shale (depths of 7338 ft. and 7341 ft.) and the Middle Member (depth of 7431 ft. and 7349 ft.). 
The lithology was moderately hard, fissile, carbonaceous black shale with trace disseminated 
pyrite both in the Upper shale and the Middle Member. 
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Table 4. Dimensions and Porosities of Cores from Well #17450 (Wang, 2012) 
 
 
Location 
Length 
 mm 
Diameter 
 mm 
Porosity 
% 
1-36A 
Upper shale 41.34 38.68 3.7 
1-42-1 
Upper shale 5.78 24.85 3.6 
1-42-2 
Upper shale 5.60 25.04 3.6 
1-45-1 
Upper shale 4.15 38.29 6.1 
1-45-2 
Upper shale 13.57 38.02 6.0 
1-48A 
Middle Member 51.14 38.00 1.6 
1-51A 
Middle Member 51.33 38.25 2.9 
1-56-1 
Middle Member 14.68 38.00 6.3 
1-56-2 
Middle Member 14.01 38.02 7.4 
1-69A 
Middle Member 52.11 38.70 1.6 
1-72-1 
Middle Member 10.11 38.03 6.4 
1-72-2 
Middle Member 10.17 38.02 5.1 
1-72-3 
Middle Member 10.25 38.00 3.0 
 
 
Figure 16. Core Sample Location and Well Log Curves for Well #17450 (Wang, 2012) 
 
Crude Oil: Cores were saturated with Bakken crude oil from Well B.L. Davidson 2-11H (#16083) 
155-96-1102-2. It had 43.2°API, 0.777 g/cm3 oil density at 23.2°C, and 2.0 cp. viscosity at 23.0°C. 
Surfactant: Four aqueous surfactant formulations used for imbibition candidates: (1) 0.1% 
C1+30% TDS brine, (2) 0.1% S2 + 0.25% alkaline +30% TDS brine, (3) 0.05% 58N+ 0.1% 
 31 
alkaline + 30% TDS brine, and (4) 0.1%17A +0.1% alkaline +15% TDS brine. Their compositions 
are listed in Table 5. 
Table 5. Surfactant Formulations for Wettability Test (Wang, 2012) 
Surfactant  Concentration,% Alkaline additive, % Salinity, % TDS Type 
C1 0.1 0 30 Anionic, Linear α-Olefin Sulfonate 
S2 0.1 0.1 or 0.25 30 Anionic, Internal Olefin Sulfonate 
58N 0.05 0.1 or 0.2 30 Nonionic, Alcohols Ethoxylated 
17A 0.1 0.1 or 0.2 15 Amphoteric, Dimethyl Amine Oxide 
Alkaline: NaBO2.4H2O 
Brine: Synthetic brine water with 15 to 30% TDS were used as imbibing fluids. Salinity is based 
on the analysis of Bakken formation water from Well B. L. Davidson 2-11H (Table 6). NaCl, KCl, 
CaCl2, and MgCl2 were used to change the salinity of the aqueous phase. 
Alkaline: Sodium metaborate (NaBO2•4H2O) was used to change pH of the aqueous phase. It 
buffered our solutions at pH values from 8.4 to 9.  
Table 6. Chemical Analysis of Bakken Formation Water from Well #16803 
Analyte Result in sample, mg/L Methodology 
Salinity 300,000 Cond. meter 
Inorganic carbon 16.5 TOC analyzer 
Cl- 184,500 Ion chromatography 
Na+ 85,322 FAAS 
K+ 5,643 FAAS 
Ca2+ 13,177 FAAS 
Mg2+ 1,175 FAAS 
 
3.1.2 Core Samples Preparation 
Step 1: For regular core plugs (slices), wash by toluene to clean chemicals from rocks, wash them 
again by methanol to clean out brine, and then dry cores at 105°C for 24 hours. For sealed 
core plugs, remove tin foil from cores carefully, and jump to Step 2. 
Step 2: Measure core plug (slices) diameter and thickness with Carrera precision calipers.  
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Step 3: Vacuum 1 hour for thin slices or 2 to 3 hours for thicker cores (13 mm to 50 mm) to remove 
any gas from the lines and core.  
Step 4: Soak the cores samples in crude oil for at least 24 hours to saturate them.  
3.1.3 Experiment Procedure 
In this study, we used a modified Amott-Harvey method to test the true wetting status of 
Bakken Shale and the wettability alteration with certain surfactant formulations. For a given core, 
the water saturation (Sw) and oil saturation (So) was first obtained by spontaneous imbibition (after 
24 hours) in an Amott-Harvey cell, while the residual oil saturation and connate water saturation 
were obtained by core flooding with 20-30 pore volumes of fluid. Cores from one well (Well 
#16433) were tested at room temperature. For cores from the other two wells (Well #16771 & 
Well #17450), wettability tests were conducted at reservoir temperature (90-120°C) and salinity 
(15-30 wt. % TDS). Also, in this experiment, in order to verify our test methodology, we used four 
approaches to measure the Amott-Harvey index. Here, we called them MA, MB, MC and MD. 
For MA, we selected the cores from the Middle Member of Bakken in Well #16433. For 
this well, the residual oil saturation or connate water saturation were obtained by centrifuge—
using a HERMLE Labnet Z 206A (centrifuged 48 hours with 4600 rpm spinning rate), and the test 
temperature was 23°C.  
For MB, core plugs were from Well #16771, and reservoir temperature varied from 90-
120°C. Forced injection occurred using the core flooding setup shown in Fig. 17. Liquid  
imbibition and injection volumes were obtained by weight measurements. 
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Figure 17. Forced Injection Illustration for Method MB (Wang, 2012) 
 
For MC, core plugs came from HH40636 (#17450), and reservoir temperature varied from 
90-120°C. Forced injection occurred using the core flooding setup shown in Figure 18. Liquid 
imbibition and injection volumes were obtained by burette readings. 
 
 
Figure 18. Scheme for Spontaneous Imbibition and Forced Injection by Method MC 
(Wang, 2012) 
 
 
 34 
For MD, core plugs also came from Well #17450. A Hassler core holder was 
employed during both imbibition and injection, as shown in Figure 19. The reservoir 
temperature varied from 90-120°C. Overburden pressure to confine the core. Liquid 
imbibition and injection volumes were obtained by burette readings. 
 
Figure 19. Scheme for Spontaneous Imbibition and Forced Injection by Method MD with 
Hassler Cell (Wang, 2012) 
3.2 Oil-Brine Surfactant Phase Behavior 
3.2.1 Materials  
Crude Oil: The Bakken crude oil used in this experiment was from Well H. Davidson 2-11H. It 
had 43.2°API, 0.82 g/cm3 oil density at 23.2°C. 
Surfactant: Six aqueous surfactant formulations were used for phase behavior: (1) C1- Linear 
alpha olefin sulfonate anionic surfactant, (2) S2-Internal olefin sulfonate anionic surfactant, (3) 
58N-Ethoxylated alcohol nonionic surfactant, (4) N2512-Ethoxylated alcohol nonionic surfactant, 
(5) 17A-Dimethyl amine oxide amphoteric surfactant, and (6) TA15-Ethoxylated tallow amine 
cationic surfactant. They were compared at different salinities for phase behavior. Compositions 
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were based on Wang et al. (2011b) surfactant formulation optimization studies. Details for each 
case can be seen in Table 7. 
Table 7. Surfactant Formulations for Phase Behavior Study (Wang, 2012) 
Surfactant Type Molecular structure Concentration Added reagent 
Salinity, 
% TDS 
Manufacturer 
C-1 Anionic Linear alpha olefin sulfonate 0.1% 30% alcohol 
0-30 Tiorco 
S-2 Anionic Internal olefin sulfonate 0.1% 
0.1% 
NaBO2.4H2O 
0-30 Tiorco 
S-2 Anionic Internal olefin sulfonate 2%  
0-30 Tiorco 
58N Nonionic Alcohols, ethoxylated 0.05% 
0.1% 
NaBO2.4H2O 
0-30 CorsisTech 
58N Nonionic Alcohols, ethoxylated 2%  
0-30 CorsisTech 
N 2512 Nonionic Alcohols, ethoxylated 0.1%  
0-30 CorsisTech 
N 2512 Nonionic Alcohols, ethoxylated 2%  
0-30 CorsisTech 
17A Amphoteric Dimethyl amine oxide 0.1% 
0.1% 
NaBO2.4H2O 
0-30 CorsisTech 
17A Amphoteric Dimethyl amine oxide 2%  
0-30 CorsisTech 
TA-15 Cationic Ethoxylated tallow amines 0.2%  
0-30 Tiorco 
 
Brine: Brine water with 0 to 30% TDS used for phase behavior is characteristic of Bakken 
formation water shows in Table 5. NaCl, KCl, CaCl2, and MgCl2 were used to change salinity of 
the aqueous phase. 
Alkaline: Sodium metaborate (NaBO2•4H2O) was used to change pH of the aqueous phase. It 
buffered our solutions at pH values from 8.4 to 9.  
3.2.2 Experiment Procedure 
Method 1: Experiment conducted at lower temperatures of 23°C and 60°C, using a glass tube with 
marked fine graduations and a sealed cap (Fig. 20 A). Crude oil was mixed with equal volume 
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surfactant (0.05%-0.2% or 2%) brine solution in the glass tube at various salinities from 0 to 30% 
TDS. For surfactant solution concentrations ranged from 0.05% to 0.2%, the tubes were placed in 
the laboratory oven for 42 days. For concentrations were 2.0%, the test period was 21 days.  
Method 2: Experiments conducted at higher temperatures of 90°C an120°C, using an encased-
pipette (2 mL) immersed in a glass tube filled with silicon oil (Fig. 20 B). The silicon oil reduces 
heat loss when samples are taken out of the oven for photographing. 1 mL of each surfactant 
(2%) brine solution was mixed with 1 mL crude oil in the pipette, then sealed and immersed in 
the glass tube. The encased-pipette test was inspired by the study of Puerto, et al. (2012).                                                                                                  
                                                      
A: Glass Tube for Lower Temperature               B: Pipette & Glass Tube for High Temperature 
Figure 20.  Experiment Glassware for Phase Behavior 
In both methods, samples were left to equilibrate at the test temperature after mixing. 
Typically, they were briefly removed during equilibration and shaken by hand a few times. This 
procedure was continued until phase volumes remain unchanged. The phase volumes were 
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observed, and photographs were taken at different time intervals. All tubes or pipettes were marked 
by fine graduations to clearly indicate changing levels of water and oil over time.  
3.3 Oil-brine Surfactant IFT Measurement 
3.3.1 Materials  
Crude Oil: The Bakken crude oil used in this experiment was from Well H. Davidson 2-11H 
(#16083). It had 43.2°API, 0.82 g/cm3 oil density at 23.2°C. 
Surfactant: Six aqueous surfactant formulations were used for IFT test: (1) S2-Internal olefin 
sulfonate anionic surfactant, (2) 58N-Ethoxylated alcohol nonionic surfactant, (3) N2512-
Ethoxylated alcohol nonionic surfactant, (4) CDS17-31C Ethoxylated alcohol nonionic 
surfactant, (5)17A-Dimethyl amine oxide amphoteric surfactant, and (6) TA15-Ethoxylated 
tallow amines cationic surfactant. They were compared at different salinities and temperatures 
for IFT measurement. Details for each case can be seen in Table 8.  Surfactant CDS17-31C was 
not investigated for phase behavior. 
Brine: Brine composition is characteristic of Bakken Formation water based on the work of 
Wang et al. (2011b) is listed in Table 5. NaCl, KCl, CaCl2, and MgCl2 were used to change 
Table 8. Surfactant Formulations for IFT Study 
Surfactant Type Molecular structure Concentration Temperature Added reagent 
Manufacturer 
S-2 Anionic Internal olefin sulfonate 0.1% 30～90°C 0.25% NaBO2.4H2O 
Tiorco 
58N Nonionic Alcohols, ethoxylated 0.1% 30～90°C 0.1% NaBO2.4H2O 
CorsisTech 
N 2512 Nonionic Alcohols, ethoxylated 0.1% 30～90°C 0.1% NaBO2.4H2O 
Tiorco 
CDS17-31C Nonionic Alcohols, ethoxylated 0.1% 30～90°C 0.1% NaBO2.4H2O 
CorsisTech 
17A Amphoteric Dimethyl amine oxide 0.1% 30～90°C 0.1% NaBO2.4H2O 
CorsisTech 
TA-15 Cationic Ethoxylated tallow amines 0.1% 30～90°C 0.1% NaBO2.4H2O 
CorsisTech 
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salinity of the aqueous phase. Different salinities (0-22.5% TDS) were selected on the base of 
phase behavior study to test the IFT and identify the optimal salinities.  
3.3.2 Experiment Procedure 
IFT measurements between oil and brine surfactant were conducted at temperatures of 30, 60, 
90° C by means of a M6500 Spinning Drop Tensiometer (Grace Instrument Company, TX). All 
surfactants were studied with and without an alkaline present.  
3.4 Extensive Spontaneous Imbibition Experiment 
3.4.1 Materials  
Porous Media: The tested rock plugs came from the Middle Member of Bakken Formation in 
Well AV Wrigley 163-94-0607H-1 (# 17450) at depth of 7347 to 7401 ft. Generally, the core 
samples tested were gritty shale and shale inter-bedded with siltstone, limestone and dolomite, 
with an average porosity of 5%, and permeability of 6 microdarcies.  Core samples were 38 mm 
in diameter and 38 to 50 mm in length. Core samples properties are listed in Table 9.  
Crude Oil: Cores were saturated with Bakken crude oil from Well #16083. The API gravity was 
43.2°, and oil density 0.82 g/cm3 at 23.2°C.  
Brines: Brine composition is characteristic of Bakken Formation water based on the work of 
Wang et al. (2011b) is listed in Table 5. Brine salinities are selected optimal salinities based on 
the phase behavior and IFT study in this study. 
NaBO2•4H2O: This alkaline chemical was used to change pH of the aqueous phase. It buffered 
solutions to pH values of 8.4 to 9. 
Surfactants: Surfactants formulations by preliminary optimization with 30% TDS (Wang, et al, 
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2011b), Aqueous surfactant candidates included: (1) internal olefin sulfonate anionic surfactant, 
(2) ethoxylated alcohol nonionic surfactant, (3) ethoxylated tallow amine cationic surfactant, and 
(4) dimethyl amine oxide amphoteric surfactant. They were compared at optimal salinities for oil 
recovery rate and maximal oil recovery measurement. Details for each case are seen in Table 9. 
3.4.2 Core Samples Preparation 
Step 1: Wash core samples by toluene to clean chemicals from rocks, wash them again by methanol 
to clean out brine, and then dry cores at 105°C for 24 hours.  
Step 2: Measure core plug diameter and length with Carrera precision calipers. 
Step 3: For cores with two faces opened during spontaneous imbibition, epoxy was coated to seal 
the other faces. 
Step 4: Vacuum the core samples for 2 to 3 hours to remove any gas from the lines and cores. 
Step 5: Soak the cores in crude oil for 24 hours to saturate them and store for at least 4 weeks to 
force an oil wet status. 
3.4.3 Experiment Procedure 
Core plugs listed in Table 9 were saturated with Bakken oil and stored for 4 to 8 weeks to 
make them oil-wet. Each oil-saturated core was immersed in a fresh water/brine/surfactant 
solution in an Imbibition cell with precision graduations of 0.1 mL (Fig. 21), and then the cells 
were immersed into a Heating Bath (Fig. 22) at 120°C for 300 to 500 hours until no more oil was 
displaced out. Oil drain from the cores floated up and collected at the top of the imbibition cell. 
The readings of volume of the oil were used to calculate the oil rate and %OOIP of oil recovery. 
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Figure 21. Imbibition Cell    
 
                     
 
Figure 22. Heating Bath for Spontaneous Imbibition        
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Table 9. Core Samples & Surfactant Formulations for Imbibition Test 
Surfactant 
Alkaline 
% 
Optimal salinity 
% TDS 
Core 
sample 
Diameter 
mm 
Thickness 
Mm 
Rock  
permeability 
md 
Porosity 
% 
Type 
S2  0.25% 10 1-65 38.05 39.01 0.0600 6.2 Anionic 
S2-2% 0.25% 10 1-71 38.04 39.33 0.0099 6.1 Anionic 
S2  0.25% 10 1-95 38.02 38.57 0.0035 6.1 Anionic 
S2  0.25% 30 1-87 37.94 39.51 0.0049 5.2 Anionic 
58N 0.1% 7.5 1-77 38.04 38.05 0.0052 6.9 Nonionic 
58N 0.1% 7.5 2-3 38.05 38.80 0.0062 5.5 Nonionic 
58N 0.1% 30 1-94 38.08 39.40 0.0039 5.1 Nonionic 
YYC5-44 0.1% 5.62 1-84 38.03 39.08 0.0034 5.9 Nonionic 
YYC5-44 0.1% 30 1-85 38.03 39.43 0.0044 5.4 Nonionic 
N2512  4.38 1-79 38.02 38.22 0.0034 6.2 Nonionic 
N2512 0.1% 4.38 1-82 38.04 38.89 0.0027 5.6 Nonionic 
17A  28.9 1-78 38.02 38.41 0.0033 4.2 Amphoteric 
17A 0.1% 28.9 1-81 38.04 38.66 0.0036 0.57 Amphoteric 
17A  28.9 2-2 38.06 39.17 0.0015 4.9 Amphoteric 
TA-15  15 1-80 38.02 38.69 0.0042 5.4 Cationic 
TA-15 0.1% 12.5 1-83 38.03 39.26 0.0089 6.1 Cationic 
TA-15 0.1% 12.5 2-1 38.03 39.68 0.0270 5.7 Cationic 
TA-15 0.1% 30 1-88 38.04 38.85 0.0089 6.1 Cationic 
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CHAPTER 4 
RESULT AND DISCUSSION 
4.1 Wettability 
 In this study, the true wetting status of Bakken Shale and the capability of surfactant 
solution altering the wettability were investigated by means of modified Amott-Heavey method. 
Four approaches are introduced to measure the Amott-Harvey index. 
Equations 3 to 7 were used to calculate the Amott-Harvey index. For methods MA and 
MB, we used Eq. 3 and 4 (Dake, 1977 and Amott, 1959); while for methods MC and MD, we 
used Eq. 5 and 6 (Glover, 2001). 
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   Where, AI =Amott-Harvey index, Io= Harvey index, Iw= Amott index, So= oil saturation 
during oil imbibition, Sor= residual oil saturation after water imbibition, Sw= water 
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saturation during water imbibition, Swr= irreducible water saturation after oil imbibition,     
Voimbibition= oil volume spontaneously imbibed, Voinjection=oil volume increase by forced injection, 
Vwimbibition= water volume spontaneously imbibed, Vwinjection=water volume increase by forced 
injection, δo= ratio of spontaneous oil imbibition to total oil imbibition, , δw = ratio of spontaneous 
water imbibition to total water imbibition. 
4.1.1 Wettability Test for Well #16433 Cores 
Wettabilities of Cores from the Middle Member of Bakken in Well #16433 with depths of 
10613 to 10649 ft. were measured by method MA.  For this well, the water saturation (Sw) and oil 
saturation (So) were first obtained by spontaneous imbibition (after 24 hours). Then, the residual 
oil saturation (Sor) and the initial water saturation (Swr) were obtained by centrifuge. This 
experiment was conducted at a temperature of 23°C. The Amott-Harvey index was calculated 
based on Eqs. 3, 4, and 7. 
Table 10 shows wettability test results for Well #16433 with brine alone and surfactant 
formulation: 0.1% C1+30% TDS brine. Cores from two depths in the Middle Member of this well 
indicated weak oil wettability characteristics at 23°C. Wettability altered from weakly oil-wet to 
neutral-wet after imbibing the C1 surfactant formulation. The average residual oil saturation 
decreased 9.2%, and incremental oil recovery by surfactant was 8.52%.   
4.1.2 Wettability Test for Well #16771 
Wettabilities of Cores from the Upper Bakken Shale at depth of 10274 to 10310 ft. and 
Middle Member at depth of 10311 to 10340 ft. in Well #16771 were measured by method MB.  
For this well, the water saturation (Sw) and oil saturation (So) were first obtained by imbibition 
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Table 10. Wettability of Cores from Well #16433 (Wang, 2012) 
Sample  Aqueous liquid wI  oI  AI
 
Wettability  
Sor 
 
Sor 
decrease, % 
Re 
% 
EOR 
% 
13C 
Brine water 
C1 formulation 
0.299 
0.489 
0.484 
0.486 
-0.184 
0.002 
Weakly oil wet 
Neutral wet 
0.848 
0.735 
11.30 
15.24 
25.39 
10.15 
15B 
Brine water 
C1 formulation 
0.327 
0.497 
0.481 
0.487 
-0.150 
0.010 
Weakly oil wet 
Neutral wet 
0.838 
0.767 
7.10 
16.20 
23.08 
6.88 
Re is oil recovery by liquid imbibition or by centrifugation, and EOR is incremental oil recovery by surfactant vs. 
water. For Core Samples 13C and 15B, the wettability test was conducted by brine water first, with Sw=0 at the start 
of the test. Then starting with Sw=2.54% for Core 13C and with 0.01% for Core 15B, the test was repeated using the 
C1 formulation. 
with liquid (top of surface open for 48 hours), and the Sor and the Swr were obtained by force 
injection of 20-30 pore volume using method MB. This experiment was conducted at temperatures 
of 90-120°C. The Amott-Harvey index was calculated based on Eqs. 3, 4, and 7. Core samples 
were tightly wrapped with a temperature-tolerant tape before placement in the core holder (to 
prevent leakage from the radial surface during flooding).   
Table 11. Wettability of Cores from Well #16771 (Wang, 2012) 
Sample Aqueous liquid 
Tem. 
°C
 
pH at 22°C
 
Iw Io AI Wettability 
Sor 
 
Sor 
decrease, % 
Re 
% 
EOR 
% 
Alkaline 
content 
% 
Value 
1-10-1 
1-10-1 
1-10-2 
Brine water 
58N formulation 
Brine water 
90 
0.00 
0.10 
0.10 
5.60 
8.71 
8.48 
0.100 
0.180 
0.050 
0.500 
0.000 
0.525 
-0.400 
0.180 
-0.475 
Oil wet 
Water wet 
Oil wet 
0.803 
0.646 
0.911 
15.70 
19.69 
35.45 
8.82 
15.76 
1-32-2 
1-32-3 
58N formulation 
58N formulation 
90 
0.10 
0.20 
8.71 
9.00 
0.987 
0.500 
0.949 
0.000 
0.038 
0.500 
Weak water wet 
Water wet 
0.884 
0.723 
16.10 
11.56 
27.69 
16.13 
1-36-1 
1-36-1 
1-36-3 
Brine water 
S2 formulation 
S2 formulation 
90 
0.00 
0.10 
0.25 
5.60 
8.61 
9.03 
0.451 
0.857 
1.000 
0.868 
0.456 
0.000 
-0.417 
0.420 
1.000 
Oil wet 
Water wet 
Water wet 
0.672 
0.161 
0.142 
 
51.10 
53.00 
32.74 
49.32 
54.67 
 
16.58 
20.93 
1-46-2 
Brine water 
17A formulation 
110 
0.00 
0.10 
5.60 
8.44 
0.260 
0.833 
0.770 
0.750 
-0.511 
0.083 
Oil wet 
Weak water wet 
0.220 
0.143 
7.70 
77.98 
87.56 
9.62 
1-50-3 
1-50-1 
Brine water 
S2 formulation 
120 
0.00 
0.25 
5.60 
9.03 
0.162 
0.762 
0.531 
0.310 
-0.369 
0.542 
Oil wet 
Water wet 
0.629 
0.266 
47.80 
37.09 
62.60 
24.24 
In Core Samples 1-10-1, 1-36-1 and 1-46-2, the wettability test was conducted with brine water first, with Sw=0 at the start of 
the test. Then starting with Sw=11.42% and 16.40% respectively, the test was repeated using 58N, S2, and 17A formulations, 
respectively. 
 
Table 11 shows the wettability test results for Well #16771 with several surfactant 
formulations: 1) 0.05% 58N+0.1-0.2% alkaline+30% TDS brine, 2) 0.1% S2+0.1-0.25% alkaline 
+30% brine, 3) 0.1% 17A + 0.1% alkaline + 30% TDS brine. Wettability was altered from oil-wet 
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after imbibing 58n, 17A and S2 surfactant formulations (with alkaline). In Table 12, we note that 
brine imbibition worked very well for Core 1-46-2 before using Surfactant 17A. Even so, after 
Surfactant 17A imbibition, oil recovery still increased by 9.62 %OOIP, and the residual oil 
decreased by 7.70%. 
4.1.3 Wettability Test for Well #17450 
Wettabilities of Cores from the Upper Bakken Shale at depth of 7338 ft. and 7341ft., and 
Middle Member at depth of 7431 ft. and 7349 ft. in Well #17450 were measured by method MC 
and MD. For method MC, where Sw and So were obtained by spontaneous imbibition for 48 
hours, and Sor or Swr were obtained by forced injection of 20-30 pore volumes as illustrated in 
Fig. 18; and for method MD, where Sw and So were obtained by imbibition (with all rock surfaces 
open) for 48 hours, while Sor and Swr were obtained by forced injection of 20-30 pore volumes 
using a Hassler cell as illustrated in Fig. 19. The test was conducted at temperature of 90 to 
120°C. Overburden pressure was applied to the cores when using Method MD. The Amott-
Harvey index was calculated based on Eqs. 5, 6, and 7. When using Method MC, core samples 
were tightly wrapped with temperature tolerant tape (silicone Rescue™) before they were put 
into the core holder. 
Table 12, 13 shows the wettability test results for Well #17450 with the surfactant 
formulations: (1) 0.05% 58N + 0.1-0.2% alkaline + 30% brine, (2) 0.1% S2 + 0.1-0.25 alkaline + 
30% brine, and (3) 0.1% 17A + 0.1-0.2 alkaline + 15% brine. Table 12 shows the results for method 
MC, and Table 13 shows the results for method MD. Three findings were noted from Table 12, 
13. First, some cores from the Upper shale (1-42, 1-45) of this well indicated neutral wetting at 60 
to 90°C. Core 1-36 (from the top of the Upper shale) was oil-wet, as was Core 1-45. Second, cores 
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from the Middle Member of the same well exhibited neutral-, mixed- or oil- wetting characteristics 
(Cores 1-48A, 1-51, 1-56, 1-69A, and 1-70). Third, the sealed core plugs (1-48A, 1-51A, 1-69A) 
were not cleaned with toluene or methanol before testing (i.e., to keep original wetting condition). 
Incremental oil recovery attributed to surfactant imbibition for these cores was comparable to those 
for the cleaned cores.  
Table 12. Wettability of Cores from Well #17450 – Part 1 (Wang, 2012) 
Sample  Aqueous liquid 
T. 
°C
 
pH at 22°C
 
δ w δ o AI Wettability  
Sor 
 
Sor 
decrease, % 
Re 
% 
EOR 
% 
Alkaline 
content 
% 
Value 
1-42-1 
1-42-2 
Brine water 
C1 formulation 
60 
0.00 
0.00 
5.60 
5.85 
0.498 
0.501 
0.498 
0.465 
0.000 
0.036 
Neutral wet 
Weak water 
wet 
0.410 
0.322 
8.80 
32.16 
40.04 
8.08 
1-45-1 
1-45-2 
Brine water 
 17A formulation  
90 
0.00 
0.10 
5.60 
8.44 
0.247 
0.500 
0.454 
0.500 
-0.207 
0.000 
Oil wet 
Neutral wet 
0.756 
0.569 
18.70 
24.39 
46.03 
21.64 
1-51A 
sealed 
Brine water 
17A formulation 
110 
0.00 
0.10 
5.60 
8.44 
0.269 
1.000 
0.519 
0.518 
-0.250 
0.482 
Oil wet 
Water wet 
0.293 
0.225 
        6.80 
70.69 
77.48 
6.80 
1-56-1 
1-56-2 
Brine water 
S2 formulation 
110 
0.00 
0.25 
5.60 
9.03 
0.500 
0.278 
0.500 
0.002 
0.000 
0.276 
Neutral wet 
Water wet 
0.765 
0.577 
18.80 
23.52 
42.37 
20.85 
1-70-1 
1-70-2 
Brine water 
S2 formulation 
120 
0.00 
0.25 
5.60 
9.03 
1.000 
0.538 
1.000 
0.392 
0.000 
0.146 
Neutral wet 
Water wet 
0.788 
0.633 
15.50 
21.18 
36.73 
15.65 
Here, for Core Sample 1-51A, the wettability test was conducted with brine water first, with Sw=0 at the start of the 
test. Then starting with Sw=0.01%, the test was repeated using the 17A formulation. 
 
Table 13. Wettability of Cores from Well #17450 - Part 2 (Wang, 2012) 
Sample  Aqueous liquid 
T. 
°C
 
pH at 22°C
 
w  o  AI Wettability  
Sor 
 
Sor 
decrease, 
% 
Re 
% 
EOR 
% 
Alkaline 
content 
% 
Value 
1-48A 
sealed 
Brine water 
17A formulation 
90 
0.00 
0.10 
5.60 
8.44 
0.601 
0.470 
0.959 
0.360 
-0.358 
0.110 
Oil wet 
Weak water wet 
0.697 
0.519 
17.8 
30.30 
48.10 
18.2 
1-36A Brine water 120 0.00 5.60 0.000 0.810 -0.810 Oil wet 0.803 N/A 0.00 N/A 
1-69A 
sealed 
Brine water 
58N formulation 
120 
0.00 
0.10 
5.60 
8.70 
1.000 
0.508 
1.000 
0.000 
0.000 
0.508 
Neutral wet 
Water wet 
0.352 
0.098 
25.40 
64.83 
90.23 
25.40 
Note: sealed means that the core plug was sealed with wax and tin foil until tested. Cores were not cleaned by toluene 
and methanol, so presumably they had their original wettability.   
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4.1.4 Discussion of Wettability 
Initial Core Wettability: In this study, we tested 30 core samples from three Bakken wells in 
different part of the Williston Basin in North Dakota using a modified Amott-Harvey method. 
Among the tested cores, results from 1/4 of samples could not be used due to apparatus failure or 
data reading errors. However, the majority of results demonstrated that Bakken shale cores were 
generally oil-wet or intermediate-wet (before introduction to the surfactant formulation). This 
result was consistent with an NMR study by Elijah et al. (2011). In that study, three shales from 
the Eagle Ford, Barnett, and Floyd strata showed oil-wetness or mixed-wetness when the shales 
imbibed brine or oil (dodecane).   
Residual Oil Saturation after Brine Imbibition:. A significant variation occurred in the oil 
saturations achieved after brine imbibition. For 11 cases, the oil saturation after brine imbibition 
was in the range from 0.629 to 0.911 (Tables 11, 12, and 13). However, four cases (Cores 1-46-2, 
1-42-1, 1-51A, and 1-69A) achieved oil saturations between 0.220 and 0.410 during brine 
imbibition. Even though brine apparently imbibed in some cases, in other cases, brine sometimes 
did not imbibe at all (e.g., case 1-36A in Table 13 b). 
Effect of Surfactant Formulation: The most important findings of this study are that the 
surfactant formulations (1) consistently altered the wetting state of Bakken cores toward water-
wet and (2) consistently imbibed to displace significantly more oil than brine alone. Thus, 
imbibition of surfactant formulations appears to have a substantial potential to improve oil 
recovery from the Bakken Formation. Recovery factors using existing production methods that 
may be only a few percent of OOIP. Four of the surfactant imbibition tests (Cores 13C, 15B, 1-
42-2, and 1-51A) provided EOR values of 6.8% to 10.15% OOIP over brine imbibition. Ten 
surfactant imbibition tests (Cores 1-10-1, 1-32-3, 1-36-1, 1-36-3, 1-50-1, 1-45-2, 1-56-2, 1-70-2, 
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1-48A, and 1-69A) provided EOR values of 15.65% to 25.4% OOIP.  
The four surfactants examined in this work (17A, 58N, S2, and C1) were selected 
because they showed the best performances during previous studies of Wang et al. (2011a,b). 
However, it is not obvious that any one of these surfactants performed definitively better than the 
others during these experiments. On the whole, all show potential for providing positive recovery 
values. 
Upper Shale vs. Middle Member: Most of the surfactant tests were performed using cores from 
the Middle Member of the Bakken. However, cores from the Upper Shale showed responses to 
surfactant imbibition that were consistent with those observed in the Middle Member. In 
particular, Upper Shale Cores 1-10-1, 1-42-2, and 1-45-2 provided EOR values of 15.76% OOIP, 
8.08% OOIP, and 21.64% OOIP, respectively (Table 12, Table 13 a). As mentioned earlier, four 
cases were noted where brine imbibition provided exceptionally low oil saturations. We presume 
that lithology played a role in this exceptional behavior. However, further work will be needed to 
sort out the effect. 
Preserved (Sealed) vs. Cleaned Cores: Incremental recoveries from the preserved (sealed) cores 
(Cores 1-51A, 1-48A, and 1-69A) ranged from 6.8% to 25.4% OOIP (Table 13 b). This is 
effectively the same range in cleaned cores from 6.88% to 24.24% OOIP. 
Effect of Temperature and Porosity: We performed experiments at 23°C, 60°C, 90°C, 110°C, 
and 120°C. No definitive effect of temperature is apparent at this time. Porosity values for our 
cores ranged from 1.6% to 9.4% (Tables 2, 3, and 4). Surfactant effectiveness did not appear to 
correlate with porosity. For the Surfactant 17A formulation, note that Core 1-48A (1.6% 
porosity) experienced 18.2% OOIP incremental oil (from surfactant imbibition compared with 
brine imbibition), while Core 1-45-2 (6.0% porosity) experienced 21.64% OOIP EOR. 
   
49 
Mechanisms of Wettability Alteration to Oil Recovery: In this study, the initial wetting state of 
the Bakken Formation was test by a modified Amotte-Harvey method. Although the interaction 
between rock surface and surfactants during wettability alteration is not yet understood, the results 
(Table 11, 12, and 13) indicate that the Bakken cores are generally oil-wet or intermediate-wet. 
When surfactant formulations were introduced during imbibition, the wettability of the cores was 
consistently altered toward water-wet (Table 11, 12, and 13).  The wettability alteration resulted 
in the capillary force changing from negative to positive, with the aid of gravity force, the brine 
was imbibed into the pore and the oil was pushed out of the pore. Therefore, the residual oil 
saturation was decreased to give a higher oil recovery. 
4.2 Phase Behavior and IFT 
Due to the two-group molecule structure, surfactant can reduce the surface /interfacial 
tension (IFT) and /or alter wettability. In a surfactant/oil/water or brine system, distinctive phase 
behaviors are observed when they form an equilibrium microemulsion. When a Winsor Type III 
(middle phase) presents, the surfactant forms a microemulsion in a separate phase between the oil 
and aqueous phases. This situation is ideal to achieve ultralow interfacial tension (IFT) values and 
is favorable for EOR.  
In general, increasing salinity of an aqueous phase (brine) decreases the solubility of an 
ionic surfactant. The surfactant is driven out of brine as electrolyte concentration increases. Thus, 
brine salinity has a significant effect on phase behavior (Green and Willhite, 1998).  Furthermore, 
if the Winsor Type III forms within a certain range of surfactant concentration, an optimal salinity 
exists. At this salinity, ultralow interfacial tension (IFT) values can be achieved. Optimal salinity 
can be estimated from the observed phase volumes using solubilization ratios based on the work 
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of Healy et al. (1974). When Vo/Vs equals Vw/Vs, the salinity is the optimal salinity. Here, Vo is the 
oil volume in the microemulsion phase, Vw is the water volume in the microemulsion phase, and 
Vs is the surfactant volume assumed to be in microemulsion. 
    Six surfactant formulations with different molecular structures were investigated for 
phase behavior at various water salinities using surfactant-brine liquids and crude oil from the 
Bakken Formation (Table 7). Preliminary optimal salinity of surfactant solutions was determined 
by the observation of phase behavior. Optimal salinity was further examined in conjunction with 
testing of interfacial tension (IFT) changes between oil and water, and results included in the next 
section.  In order to observe the microemulsion phase phenomena, 0.05～ 0.1% and 2% 
concentration of surfactant were adopted. 
At the high temperature (80-120°C) and high salinity (15-30% TDS) conditions of Bakken 
reservoirs, the surfactant must remain chemically stable during the period of imbibition, which 
might last several years. Moreover, precipitation or other undesirable phase separations must be 
avoided when using these surfactants. Based on laboratory experimental results, for most very 
diluted surfactants with concentrations of 0.05～0.2%, very thin layers of the microemulsion phase 
(～0.1 mL) appeared at lower temperatures (23°C to 60°C). However, this amount is too small 
to determine an optimal salinity even after aging a long time (～42 days). Consequently, the 
following discussions only focus on five surfactants with 2% solution concentration. A salinity 
range of 0% TDS to 30% TDS was tested and these five surfactants were soluble in this range. 
4.2.1 Anionic Surfactant: S-2 
The oil and brine containing 2% surfactant S-2 (low molecular weight internal olefin 
sulfonate) solution are mixed in the ratio of 1:1. Fig. 23a shows the phase behavior for 2% S-2 
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with Bakken oil at different salinities at 23°C. As the salinity increases, the system is found to shift 
from middle phase (0% TDS) to upper phase (15 % TDS).  Plots of Vo/Vs and Vw/Vs are shown in 
Fig. 23b corresponding the appearance of phase behavior shown in Fig. 23a.  Based on these data, 
the optimal salinity is 7.5% TDS for Vo/Vs = Vw/Vs = 1 at 23°C. 
 
      
                     23a. Phase behavior of S-2 at 23°C                     23b. Vo/Vs and Vw/Vs of S-2 at 23°C 
Figure 23. Phase Behavior of S-2 at 23°C 
When temperature was 120°C, as the salinity is increased, the system is found to shift from 
lower phase (7.5, 8.5% TDS) to middle phase (10.0 % TDS), and then to upper phase (12.5~15% 
TDS) as Fig. 24 shows. However, the optimal salinity could not be determined by Vo/Vs and Vw/Vs 
plots even though small amount of microemulsion phases formed as shown in Fig. 24. We assumed 
the optimal salinity was 10.0% TDS based on observation when the temperature was 120°C. 
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Figure 24. Phase Behavior of S-2 at 120°C 
4.2.2 Nonionic Surfactant: N-2512, 58N 
Two surfactants: 58N with lower carbon number and N-2512 with higher carbon number 
were studied. Oil and brine containing surfactant concentration of 2% were mixed in the ratio of 
1:1 at different salinities. As shown in Fig. 25a, phase behavior of oil –brine - N- 2512 system at 
23°C was found to shift from upper phase (0.0, 7.5, 15% TDS) to Lower Phase (30% TDS), no 
middle phase presented. The optimal salinity cannot be confirmed from the samples, but at the 
very least, we can estimate the optimal salinity for this situation would be between 15 -30% TDS 
(close to 30% TDS). When temperature was increased to 60°C, the optimal salinity was 26.5% 
TDS where Vo/Vs = Vw/Vs = 4 as Fig. 25b and 25c shows. 
In the higher temperature 120°C, both two surfactants N-2512 and 58N show upper phase 
status even though a tiny microemulsion phase can be observed at lower salinity (3.75-5.0% TDS)  
in N-2512 as shown in Fig. 26. This phenomenon indicates this kind of surfactant is more 
hydrophobic at high temperature when mixed with Bakken oil, especially for the low carbon 
number surfactant 58N (Fig. 27). However, the wettability study above proved this kind of 
surfactant shows favorable oil recovery under the current salinity ranges. Perhaps, for this kind of 
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surfactant, the observation suggests a mechanism of wettability — not IFT reduction if no 
emulsion phase formed at high temperature for detailed salinity scans. 
      
a. Phase behavior of N-2512 at 23°C     b. Phase behavior of N-2512 at 60°C   c.   Vo/Vs and Vw/Vs of N-2512 at 60°C 
Figure 25. Phase behavior of N-2512 at 23°C & at 60°C 
 
 
Figure 26. Phase Behavior of N-2512 at 120°C 
 
 
 
Figure 27. Phase Behavior of 58N at 120°C 
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4.2.3 Amphoteric Surfactant: 17A 
Fig. 28a and 28b show the appearance and phase volumes at 23°C for this surfactant with 
2% concentration. Optimal salinity was achieved as 8.43% TDS where Vo/Vs = Vw/Vs = 3.75.  
However, at higher temperatures 90°C, this surfactant shows lower phase status in all tests 
over a broad salinity range from 0 to 30% TDS (Fig. 29a), including detailed scans of 7.5～15% 
TDS (Fig. 29b). This indicates Surfactant 17A is somewhat hydrophilic at high temperature when 
mixed with Bakken oil. It also suggests that wettability change is the key mechanism responsible 
for the favorable oil recovery over the same temperature range. 
 
 
                              28a. Phase Behavior of 17A at 23°C        28b. Vo/Vs and Vw/Vs  of 17A (2%) at 23°C 
Figure 28. Phase Behavior of 17A at 23°C 
     
29a. Phase Behavior of 17A at 90°C (0-30% TDS)      29b. Phase Behavior of 17A at 90°C (7.5-15% TDS) 
Figure 29. Phase Behavior of 17A at 90°C 
 
0
5
10
15
20
25
0 7.5 15 30
V
o
/V
S,
 V
w
/V
s
Salinity, % TDS
Vo/VS-23°C
Vw/Vs-23°C
   
55 
4.2.4 Cationic Surfactant: TA-15 
Phase behavior of Surfactant TA-15 at high temperature 90°C and 120°C as shown in 
Fig.30and Fig. 31. Lower phase observed after aging for days up to 90°C, and more upper phase 
after aging for days up to 120°C, if the very small volume of third phase (dark color in the middle 
part of the figures) were ignored. Laboratory results indicate this kind of surfactant exhibits a 
hydrophilic character at high temperature, and then switches to hydrophobic character as 
temperature is increased. 
    
 30a. Phase Behavior of TA-15 at 90⁰C (0～30% TDS)      30b. Phase Behavior of TA-15 at 90⁰C (7.5～15% TDS)      
Figure 30. Phase Behavior of TA-15 at 90°C (0～30% TDS) 
 
 
Figure 31. Phase Behavior of TA-15 at 120°C   
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4.3 Interfacial Tension 
The average IFT between oil and brine water is generally high: in the range of 9.0～29 
mN/m for oil viscosities of 2.8 to 694 cP as studied by (Green and Willhite, 1998; Buckley and 
Fan, 2007). In this study optimal salinities were tested between salinities of 3.75 to 22.5 % TDS. 
At several salinities, IFT between brines and Bakken oil were decreased to 10-1 mN/m. 
4.3.1 Effect of Salinity on IFT  
  Fig. 32 shows the IFT vs. salinity of surfactants with/without alkaline at 90°C. Results for 
an anionic surfactant S-2 and nonionic surfactants N2512 indicate that, IFT reductions to 10-2 
mN/m are possible when salinity is about 7.5% and 11.25% TDS. For amphoteric surfactant 17A 
and cationic surfactant TA-15, IFT reductions to 10-1 mN/m are possible at salinities of 28.97, and 
15% TDS, respectively. For nonionic surfactants, optimal salinity was relatively low compared to 
the other types of surfactants; the optimal salinity for the IFT of the amphoteric surfactant 17A 
was very high. This is consistent with phenomena observed during the phase behavior 
observations. For nonionic surfactant 58N, the IFT measurement was very challenging due to oil 
drops attaching to the inside wall of the spinning tube even though the equipment is spinning at 
high speed. As indicated previously in the phase behavior study, this surfactant is more 
hydrophobic. It is possible the wet status of the inlet end of tube was altered to oil wet from water 
wet so that the oil drop was hard to separate away from the wall. It should be stressed; this 
explanation is not contrary with the wettability modification of the shale rocks by this surfactant.   
4.3.2 Optimal of Salinity  
Compared to the phase behavior study previously, these optimal salinities obtained by IFT 
curves (Fig. 32) are basically consistent with the phenomena observed in the pipettes like Fig. 29 
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to Fig. 31 described at high temperatures. As a consequence, the salinities when IFT reached the 
lowest values can be taken as the optimal salinities for the corresponding surfactants when the 
reservoir temperature is near 90°C.  
 
Figure 32. IFT vs. Salinity of Surfactants at 90°C 
4.3.3 Effect of Temperature on IFT  
Fig. 33 illustrates an example of IFT reduction at various temperatures. Based on Fig. 33, 
for nonionic surfactant N-2512, the lower the temperature is, the larger the optimal salinity 
obtained with the least IFT reduction (Fig. 33a). Anionic surfactant S-2, Cationic surfactant TA-
15, and amphoteric surfactant 17A show the same trend with surfactant N-2512 (Fig. 33b, c, d). 
4.3.4 Effect of Alkaline on IFT 
In Fig.34, for nonionic surfactant N-2512, the IFT decreased when alkaline was added to 
the surfactant solution. For amphoteric surfactant 17A, the result went to the opposite way 
compared with N-2512, the IFT increased when alkaline was added to the surfactant solution, 
even though the IFT reduction value was not affected too much by the two optimal salinities. 
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      33a. IFT reduction of N-2512 at three temperatures       33b. IFT reduction of S-2 at three temperatures    
  
        33c. IFT reduction of TA-15 at three temperatures       33d. IFT reduction of 17A at three  temperatures    
Figure 33. IFT Reduction at Three Temperatures 
 
Figure 34. IFT vs. Alkaline at 90°C 
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4.3.5 Calculated Bond Number 
It’s known that surfactant can reduce the oil-brine IFT and thus reduce the capillary force to 
a low value. Based on the research of Adibhatla and Mohanty (2006), oil displacement will be 
determined by the inverse Bond number, which is the ration of capillary force and gravity force:  
gL
k
BN





1
……………………….………………………………………………… (2) 
Here,  is the rock porosity, k is rock permeability in md,  is interfacial tension in mN/m between 
oil and water,   is the density difference in g/cm3, g is the gravitational constant in cm/S2, and
L is length of the core in mm. The numerator of Eq.2 is capillary pressure. The denominator of 
Eq.2 is gravity force. 
For water alone, the macroscopic inverse Bond number, NB
-1, may be greater than 1. 
However, when the oil-wet cores with a negative capillary pressure are immersed in a surfactant 
solution, IFT is lowered, NB
-1 may become less than 1. At lower IFT, gravity force can overcome 
negative capillary force and imbibe brine into the core and push oil out from top of the core. 
Furthermore, if wettability can be altered, the capillary pressure changes from negative to positive, 
and counter-current imbibition mobilizes more oil.  
Table 14 shows estimated inverse Bond number NB
-1 for five surfactants based on optimal 
salinity from IFT curves. According to Table 14, most NB
-1 values are less than 1. By the IFT 
reducing, surfactant solutions will diffuse into the core and drive the oil out at optimal salinity.  
4.4 Extensive Spontaneous Imbibition Experiment 
In this study, core plugs were saturated with Bakken oil and stored for 4 to 8 weeks in 
order to achieve to oil wet status, and then were put into Glass Imbibition Cells with precision  
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Table 14. Inverse Bond Number NB
-1 at 90°C 
Surfactant S-2 58N N-2512 17A TA-15 
NB-1 0.202 / 0.474 1.164 0.221 
Core  1-65 1-77 1-79 1-78 1-80 
Δ ρ, g/cm3 0.286 / 0.236 0.393 0.314 
σ, mN/m 0.056 / 0.098 0.550 0.44 
TDS, % 11.25 / 4.38 28.92 15.00 
φ, porosity 
fraction 
0.062 0.050 0.058 0.039 0.052 
k, md 4.070 1.790 1.950 4.14 4.53 
l, mm 39.81 38.50 38.00 38.41 38.69 
Here, k is the permeability with respect to surfactant. For surfactant 58N that only involved brine water and 0.1% 
58N, IFT measurement was very challenging at 90°C using current equipment because the oil drops could not be 
separated from the tube wall of the Spinning Drop Tensiometer. 
graduation in 0.1 mL (Fig. 21).  The cells filled with surfactant solution first, and then were 
immersed into a temperature bath at 120°C for 300 to 500 hours until no more oil was displaced 
out (Fig. 22). The volume of oil expelled was used to calculate the oil rate and %OOIP of oil 
recovery. No confining pressure was added during the process of Imbibition.  
Three groups of surfactant formulations were studied in this section: (1) surfactants by 
preliminary optimization with 30% TDS (Wang, et al, 2011b), (2) surfactant using optimal salinity 
based on phase behavior and IFT study, (3) surfactants using optimal salinity and formation water 
salinity. Extensive imbibition was conducted at reservoir temperature of 120°C. Core samples 
came from the Middle Member of Bakken Formation in Well # 17450, in depth of 7347 to 7401.55 
ft. Core sample properties are listed in Table 9. 
4.4.1 Imbibition Rate in Different Aqueous Solutions  
The tested aqueous solutions of group 1 included: 
(1) Fresh water;     
 (2) Brine water with 30% TDS; 
(3) 0.1% of surfactant formulation N2512 (nonionic) with 30% TDS; 
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(4) 0.05% of 58N (nonionic) with 30% TDS, 0.1% alkaline content; 
(5) 0.2% of TA-15 (cationic) with 30% TDS. 
For the fresh water and Brine water in Group 1, four reservoir temperatures ranging from 
23°C to 120°C were simulated in cores from Well # 17450. Experimental results show that 
imbibition using fresh water or brine water resulted in very little imbibition at low temperatures. 
However, oil was imbibed out at higher temperatures for the tested core as shown in Table 15. It 
was noted that some oil drops imbibed out (2 -3 hours) using fresh water, but imbibition times for 
fresh water or brine water took much longer to obtain a reading on the imbibition cell compared 
to the surfactants.  The explanation for these phenomena is that using fresh water or brine water 
alone, the wettability cannot be altered, or not obviously with Bakken oil, even though oil drops 
imbibed out at high temperature.  
Table 15. Imbibition Rate in Different Aqueous Solution (30% TDS) 
Core sample 
Diameter, 
mm 
 
Thickness 
mm 
 
Temperature, 
°C 
Aqueous 
liquid 
Average 
imbibition rate, 
ft/day 
1-52A 38.27 51.27 
23 
Fresh water 
 
0 
60 0 
90 0.0014 
120 0.0014 
1-59A 38.11 52.54 
23 
Brine water 
 
0 
60 0.0009 
90 0.0014 
120 0.0037 
1-47A 38.07 50.99 
23 
TA-15 
0.0010 
60 0.0033 
90 0.0041 
120 0.0050 
1-53A 38.17 51.46 
23 
N 2512 
0.0002 
60 0.0007 
90 0.0018 
120 0.0022 
1-44A 38.07 51.10 
23 
58N 
0.0009 
60 0.0010 
90 0.0027 
120 0.0028 
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4.4.2 Imbibition Rate and Oil Recovery at Optimal Salinity  
The tested aqueous solutions of group 2 included: 
(1) 0.1% of S-2 (nonionic) with 10% TDS; 0.25% alkaline content 
(2) 0.1% of 58N (nonionic) with 7.5% TDS, 0.1% alkaline content 
(3) 0.1% of N-2512 (nonionic) with 4.38～5.62% TDS, with/without 0.1% alkaline. 
(4) 0.1% of 17A (amphoteric) with 29% TDS, with/without 0.1% alkaline. 
(5) 0.1% of TA-15 (cationic) with 12.5～15% TDS, with/without 0.1% alkaline. 
(6) 2% of S-2 (nonionic) with 10% TDS; 0.25% alkaline content 
For surfactant formulations, experimental results show that imbibition using these optimal 
salinities resulted in higher imbibition rate and faster oil extraction times at high temperature 
compared to solutions without salinity optimization, as Table 16 shows.  At optimal salinity, an 
average instantaneous imbibition rate was increased by up to 45%. Here, the imbibition time was 
380 hours. 
Table 16. Imbibition Rate at Optimal Salinity vs. Formation Water Salinity, 120°C,  
             0.1% Concentration 
Core sample 
Diameter, 
mm 
 
Thickness 
mm 
 
Aqueous liquid Instantaneous imbibition rate, ft/day 
1-47A 38.07 50.99 TA-15  0.028 at 30% TDS 
1-80 38.03 38.69 TA-15 0.132 , at 15% TDS  
1-53A 38.17 51.46 N 2512  0.069 at 30% TDS 
1-79 38.02 38.00 N2512 
0.101  at 4.38 % 
TDS 
 
1-44A 38.07 51.10 58N  0.120 at 30% TDS 
1-77 38.04 38.50 58N 0.158 at 7.5% TDS  
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Figure 35. Oil Recovery at Optimal Salinity at 120°C vs. Time 
For surfactant formulations at optimal salinities, as shown in Fig. 35, we found: (1) At lab 
scale, the oil recovery using spontaneous imbibition with optimization surfactant formulations and 
the Bakken cores ranged from about 30% to 60% of OOIP, (2) with 0.1% concentration, nonionic 
surfactants N2512 and 58N exhibit a fast imbibition rate and strong effect oil recovery at reservoir 
temperature (~120°C), (2) at higher concentration 2%, an anionic surfactant S-2, shows slow 
imbibition rate compared with a lower concentration (0.1%) surfactant solution, (3) higher oil 
recovery was seen with the amphoteric surfactant 17A without alkaline. This is consistent with the 
observation in IFT test. In contrast, when using cationic surfactant TA-15, higher oil recovery was 
seen with alkaline compared with 17A.  
4.4.3 Oil Recovery at Optimal Salinity vs. Formation Water Salinity 
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 (1) 0.1% of TA-15 (cationic) with 12.5% TDS, with 0.1% alkaline 
(2) 0.1% of TA-15 (cationic) with 30% TDS, with 0.1% alkaline 
(3) 0.1% of YYC5-44 (nonionic) with 5.62% TDS, with 0.1% alkaline 
(4) 0.1% of YYC5-44 (nonionic) with 30% TDS, with 0.1% alkaline. 
 
Figure 36. Oil Recovery Comparison at Optimal Salinity and Formation Water Salinity at   
120°C 
Oil recovery using optimal salinity up to 18% compared the surfactant with formation 
water salinity (Fig. 36). In Fig. 36, cationic surfactant solutions, TA-15 and nonionic surfactant 
solutions, YYC5-44 was mixed by optimal salinity and formation water salinity, respectively. 
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CHAPTER 5 
CONCLUSIONS 
Wettability, phase behavior, and interfacial tension (IFT) were investigated in this study to 
evaluate the potential of surfactant imbibition to oil recovery improvement from the Bakken shale 
and the behind mechanisms. The significant findings and conclusions are summarized as below: 
5.1 Effect of Surfactant on Wettability 
1. Bakken shale cores were generally oil-wet or intermediate-wet. 
2. The four surfactant formulations that we tested consistently altered the wetting state of Bakken 
cores toward water-wet. 
3. The four surfactants formulations that we used consistently imbibed to displace significantly 
more oil than brine alone. Four of the surfactant imbibition tests provided EOR values of 6.8% to 
10.16% OOIP, incremental over brine imbibition while ten surfactant imbibition tests provided 
EOR values of 15.65% to 25.4% OOIP. Thus, imbibition of certain surfactant formulations appears 
to have substantial potential to improve oil recovery from the Bakken formation. For comparison, 
recovery factors using the existing production methods may be only on the order of a few % OOIP. 
4. Positive results were generally observed with all four surfactants: 17A (amphoteric) , 58N 
(nonionic), S2(anionic), and C1( anionic). 
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5. In our study, no evidence shows definitive correlation in surfactant effectiveness versus (1) 
temperature, (2) core porosity, (3) whether the core was from the Upper Shale or the Middle 
Member and (4) whether the core was preserved (sealed) or cleaned prior to use. 
5.2 Effect of Surfactant on Phase Behavior and IFT 
1. Optimal salinities can be estimated from the phase behavior study for most selected surfactants 
at low temperatures. However, for high temperatures, it was difficult to determine in some 
solutions due to the very thin microemulsion layer. 
2. IFT can be reduced to 10-1- 10-2 order of magnitude by four types of surfactant: anionic, 
nonionic, amphoteric and cationic. 
3. The optimal salinities obtained from IFT curves are consistent with phenomena observed in the 
phase behavior study for reservoir temperature near 90°C. 
4. For the optimal salinity, the inverse Bond number NB
-1, which dominated the IFT reduction 
mechanism, could be decreased to below a value of 1 in cores from the Bakken shale. 
5.  For nonionic surfactants, the lower the temperature, the larger the optimal salinity obtained 
with the least IFT reduction. Anionic surfactant, cationic surfactants and amphoteric surfactants 
show the same trend. 
5.3 Effect of Surfactant on Spontaneous Imbibition Rate and Oil Recovery 
1. For the four types of surfactants tested (anionic, cationic, nonionic, and amphoteric with specific 
molecular structures), all exhibited favorable imbibition rates and good effect on oil recovery at 
reservoir temperature. 
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2. At optimal salinity, the incremental oil recovery (during imbibition into Bakken cores at 120⁰C) 
can be up to 18% OOIP higher than comparable experiments using formulations with 15～30% 
TDS, and the average instantaneous imbibition rate increased up to 45%.  
5.4 Key Mechanisms of Surfactant Imbibition from Observed Results 
1. In general, wettability modification and interfacial tension (IFT) reduction are the major 
mechanisms for oil recovery improvement using surfactant imbibition.  
2. The wettability study demonstrated that the Bakken cores were altered from oil-wet or 
intermediate-wet state toward water-wet after the introduction of surfactant imbibition. The 
wettability alteration resulted in the capillary force changing from negative to positive, with the 
aid of gravity force, the brine was imbibed into the pore and the oil was pushed out of the pore. 
Therefore, the residual oil saturation was decreased to give a higher oil recovery. 
3. The dimensionless inverse Bond Number was used to explain the effect of capillary/gravity on 
oil displacement. In most cases, IFT can be reduced to 10-1- 10-2 order of magnitude at optimal 
salinity, and inverse Bond Number may become less than 1. With the optimal salinity, good 
potential was observed for increasing oil recovery using surfactant imbibition. These results 
indicate that IFT reduction can be taken as one mechanism for increasing oil recovery in the 
Bakken Formation. 
4.  Two cases, nonionic surfactant 58N with lower carbon number and amphoteric surfactant 17A, 
both of them have good potential for oil recovery, even though the optimal salinity cannot be 
obtained by phase behavior or IFT test. It suggests that wettability alteration is the predominant 
mechanism when using these surfactants to improve oil recovery in the Bakken Formation. 
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5.5 Future Work 
1. Adsorption between surfactant and rock surface usually occurs in the imbibition process. This 
phenomenon decreases the efficiency of surfactant and is unfavorable for oil extraction.  Our 
adsorption study is still on the way. 
2. The lab-scale results of this study indicate that the surfactant is capable of improving oil 
recovery by spontaneous imbibition by mechanisms of Wettability alteration and IFT reduction.  
Field application is expected to examine and verify this new EOR method. 
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